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The Regents of the University of California, nor any of their employees, makes 
any warranty, express or implied, or assumes any legal responsibility for the 
accuracy, completeness, or usefulness of any information, apparatus, product, 
or process disclosed, or represents that its use would not infringe privately 
owned rights. Reference herein to any specific commercial product, process, or 
service by its trade name, trademark, manufacturer, or otherwise, does not 
necessarily constitute or imply its endorsement, recommendation, or favoring 
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Figure 8. 1999 CAISO Load Duration Curve 
 
Any reduction in electricity demand will result in a lowering of the LDC. Since the LDC 
has power (GW) on the y-axis and time on the x-axis (h), the area under it represents 
energy (GWh). That is, the integral of the LDC represents the total energy demand on the 
system over the period represented. Traditionally, generating resources of a control area 
are dispatched in a fairly rigid order called the merit order. Therefore, one can picture a 
different set of generating assets serving the baseload demand than serving that fraction 
of demand that falls immediately under the curve. The later generating assets are often 
referred to as the load following resources. Since electricity cannot be stored through time 
as electricity demand rises and falls, these are the generators that increase or decrease 
output as load changes. If electricity demand falls, the load duration curve will lower and 
output of the load following resources decline, whereas the baseload resources will 
remain unaffected. In other words, the load following resources are the marginal 
generators. If the load following resources can be identified, these are the generators 
whose output and carbon emissions will decrease as a result of electricity conservation. 
The key to estimating the effect on carbon emissions of decreased demand, therefore, 
hinges on successfully identifying the load following units.  
 
In the real world, there are many reasons why the use of plants or contracted power 
purchases to meet load is restricted, but overall, the use of resources can be approximated 
by economic dispatch. Economic dispatch is based on the assumption that UDCs will 
attempt to meet their electricity demand at minimum cost. For cost to be minimized 
overall, the combination of assets being used at any point in time must be the cheapest 
combination that can meet load. If this were not true, a logical contradiction would result 
because costs could be lowered overall by substituting a cheaper resource for one being 
used.  
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Figure 9. Merit Order Dispatch 
 
If the LDC is filled up from the bottom using least to most expensive sources, a 
schematic representation of economic dispatch can be achieved, and the load following 
resources identified. Unfortunately information about the operating costs of the various 
generation assets is generally not readily available. It is possible to estimate costs using 
fuel costs and old generating station data, such as are found in the Elfin input files, but 
this would be a tedious and unreliable process. If we assume that historic use of a plant 
has been approximately economic, the amount of time that plant has been used in past 
years is a useful indicator of its operating cost. Therefore, if generators are filled into the 
load duration curve in order of their historic capacity factors, then the result will be an 
approximation to economic dispatch. 
 
Figure 9 shows how the curve in this study was actually filled in. Some forms of 
generation are always used when available. These can be assumed to be in the baseload 
and are called must take resources. The two notable examples are hydro and nuclear 
generation, which are always used when available because these forms of electricity 
generation have low marginal costs. Also, CHP generation can be considered must take 
because these plants are operating in large measure in ways driven by their heat loads and 
electricity output is unlikely to vary much in the short run. After these resources have 
been filled into the curve, the remaining resources can be filled in order of decreasing 
capacity factor, which as mentioned above can serve as a proxy for variable operating 
cost. 
 
Figure 10 shows how once the load following resources have been identified, an estimate 
of marginal emissions can be derived. In this example, just four generators end up on the 
margin. A weighted sum of the emissions rates of the generators in which the weights are 
the fractions of time, fi, that each spends on the margin will now provide an estimate of 
the marginal emissions rate for the period. 
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Figure 10. Estimating the Marginal Emissions Factor 
 
In this example, four generators are identified as marginal, and the times each is marginal 
over the period are shown by the fractions, fi. The overall MEF can therefore be 
calculated as the weighted sum of the emissions factors of the four generators where the 
weights are the fractions of time spent on the margin: 
 

MEF = AEF1*f1 + AEF2*f2 + AEF3*f3 + AEF4*f4 
 
One problem with this approach is that in a restructured wholesale electricity market, 
identifying the resources that will be used to meet the load of any UDC is not a trivial 
undertaking. Here it is assumed that power plants serve the load of the UDC in whose 
service territory they reside.  
 
B.  DATA SOURCES 
 
The publicly available plant data used by EIA as input to its National Energy Modeling 
System (NEMS) was obtained directly from EIA. The NEMS model is used each year to 
produce EIA’s Annual Energy Outlook (AEO). The data used here are from the 2001 
AEO, which would primarily include plant data from 1999 (US DOE/EIA, 2001j). It is 
also possible to obtain older NEMS input files from EIA, so that a historical analysis of 
trends could be performed. The advantage of using the NEMS plant data input file is that 
the data has already been compiled in a readily useable electronic format. As with the 
PDS method, load data were taken from CAISO (2001) for the CAISO UDCs and from 
FERC (2001) for LADWP. 
 
C. IMPLEMENTATION 
 
The variables in the NEMS plant data that were used for this analysis include the 
company id, the power area, the regional code for the location of the plant owner, the 
state in which the plant is located, the summer and winter capacities of the plant, the heat 
rate, average capacity factor, the monthly capacity factors, the primary, secondary, and 
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tertiary fuel codes and fuel shares, the variable O&M costs, SO2 control cost, and the 
percent of the plant’s power that is delivered to the grid.  
 
The “power area” variable in the EIA data set was used to decide which plant to assign to 
which utility, rather than the “company id.” There were over 300 companies in the 
NEMS plant data set, including many small ones. Using the “power area” variable was a 
way to assign these small plants to a local utility. Because SMUD is located in the PG&E 
power area, and because data that is reported to the CAISO for PG&E includes SMUD, 
some of results are reported for PG&E and SMUD together. SMUD’s company id was 
also used to separate out SMUD’s plants from the others in the PG&E power area, and 
some results are reported separately. Results are explicitly labeled as being either for 
PG&E, for SMUD, or for PG&E+SMUD. 
 
The average capacity of each plant in the NEMS data set was calculated by taking the 
average of the summer and winter capacity.29 The gross generation of electricity for each 
plant was calculated by multiplying the average capacity times the average capacity 
factor times the number of hours in a year (8760). The electricity delivered to the grid 
was then calculated by multiplying the gross generation times the reported percent of 
plant electricity delivered to the grid.  
 
In order to calculate carbon emissions and marginal costs of electricity generation, the 
primary fuel code from the NEMS data was used,30 and then the values for carbon 
emissions and costs by fuel type that are reported in Table 18 were used.  

                                                 
29  The NEMS data also reports the plant’s nameplate capacity. Typically this number is larger than either 
the summer or winter capacity. It is assumed that the reported summer and winter capacity are a better 
representation of the actual capacity of the plant in operation. 
30 There was an anomaly in the NEMS data for many plants for which oil is the reported primary fuel. For 
many of these plants, natural gas was reported as the secondary or tertiary fuel, but the fuel shares for oil 
and gas were both reported as 100%. For any plant that reported oil as the primary fuel and natural gas as 
the secondary or tertiary fuel, the plant was treated as a natural gas power plant.  
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Table 18. Fuel Cost and Carbon Content Values by NEMS Fuel Code  

Sources:  Natural gas cost from Natural Gas Annual (U.S. DOE/EIA 2000b), average price of natural gas delivered to 
utilities in 1999. Coal prices are from the Coal Quarterly 1999, Quarter 4, Table 27 (U.S. DOE/EIA 2000c), which 
reports average price to electric utilities of coal by sulfur content. The fourth quarter report was used – this reports 
average prices for the entire year. The carbon content of fuels were taken from the IPCC Guidelines for GHG 
Inventories (IPCC, 1996). The numbers are comparable to those obtained by the methods described in section IV.B.  
 
Carbon emissions per kWh of generation were calculated as follows. The carbon content 
for each fuel type was used, as reported in kgC/106BTU (see Table 18). The reported heat 
rate for each plant, in BTU of fuel per kWh of electricity generated,31 was then used to 
convert these carbon factors into kgC per kWh of electricity, and this value was then 
multiplied by the electricity generation to get the number of kgC produced by each plant. 
The generation was not adjusted to reflect the share that went to SB 1305 sales, however 
such an adjustment could be done by going through the NEMS data plant by plant, and 
reducing each plants generation by the SB 1305 sales, as described in Section III.C.6 of 
this report.  
 

                                                 
31 Some of the heat rates in the NEMS plant data appear to be unrealistically high. There were some 
thermal plants with reported heat rates as high as 40,000 BTU/kWh, whereas the average for a plant in the 
US is typically in the range of 10,000 to 12,000 BTU/kWh. For any thermal plant whose reported heat rate 
was greater than 20,000 BTU/kWh, the value was lowered to 12,000 BTU/kWh. The reason the heat rates 
in the 12,000 to 20,000 BTU/kWh range were not adjusted is that, by spot checking the data for a few 
plants on the EIA Forms 759 and 860B, some plants were found whose heat rates are this high. The plants 
affected by this adjustment account for a relatively small portion of the generation.   

Code Fuel type 
Fuel Cost 
$/106BTU 

Carbon Content 
(kgC/106BTU) 

1 coal, old low SO2 1.19 26.4 
2 coal, old mid SO2 1.26 26.4 
3 coal, old high SO2 1.19 26.4 
4 coal, new low SO2 1.19 26.4 
5 coal, new mid SO2 1.26 26.4 
6 coal, new high SO2 1.19 26.4 
7 coal, scrubbed 1.19 26.4 
8 fuel oil 4.89 20.9 
9 heavy oil, low S 3.50 20.9 

10 heavy oil, high S 3.30 20.9 
11 natural gas, firm 2.68 14.5 
12 natural gas, inter 2.68 14.5 
13 natural gas, competitive 2.68 14.5 
14 nuclear 0.00 0.0 
15 other 0.00 0.0 
16 biomass, wood 1.00 0.0 
17 refuse/tires 0.50 0.0 
18 hydro 0.00 0.0 
19 pumped storage 0.00 0.0 
20 wind 0.00 0.0 
21 geothermal 0.00 0.0 
22 solar 0.00 0.0 
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The marginal cost per kWh for each plant was calculated as follows. The plant’s heat rate 
was multiplied by the cost per 106BTU of the fuel (from Table 18). This fuel cost was 
then added to the variable O&M cost, and the SO2 control cost from the NEMS plant 
data32, to obtain a value for the marginal cost per kWh.  
 
The next step was to determine the net imports for each power control area. Table 19 
shows the calculation of net imports for each utility region. Net imports are calculated by 
taking the difference between the system load for each utility, and its generation, as 
calculated from the NEMS data. Load for PG&E+SMUD, SCE, and SDGE are calculated 
by taking the sum of the hourly loads as reported by CAISO for 1999. The CAISO total is 
also shown. Load for LADWP, which is not a member of CAISO, is the sum of hourly 
loads as reported to FERC. The PG&E+SMUD load is assigned to PG&E and SMUD by 
assuming each utility’s share of load is proportional to its share of generation. The load 
for all of California was estimated from the NEMS data by assuming that the 
CAISO+LADWP load would be the same fraction of the California total load as the 
CAISO+LADWP generation is of California total generation (90.3%). 
 
Considering that the generation was calculated from one dataset (NEMS), and the load 
from another (CAISO, or FERC), the values calculated for generation, load, and net 
imports match reasonably well with values reported by the CEC for each of these 
quantities. 
 
Table 19. Calculation of Net Imports by Region 
 Own Generation 

(from NEMS) 
Load Calculated Net 

Imports 
PG&E 98.63 105.81 7.18 
SMUD 4.39 4.71 0.32 
PG&E+SMUD 103.02 110.52 7.50 
SCE 64.98 98.15 33.17 
SDGE 9.95 18.84 8.89 
CAISO 178.12 227.52 49.39 
LADWP33 21.99 25.07 3.08 
ISO+DWP 200.12 252.59 52.47 
All CA, NEMS 221.73 280.07 58.34 
All CA, CEC 226.32 275.80 49.49 
 
In order to include imports in the LDC calculation, it is necessary to create one or more 
“dummy” plants in the list of generators to represent imports. It was assumed that all 
imports to the PG&E+SMUD region would come from the northwest, and that all 
imports to SCE, SDGE, and LADWP would come from the southwest. From the plant 
data described in Section III, it was determined that 72.4% of generation in the northwest 

                                                 
32 The NEMS monetary values, which are reported as 1987$, were converted to 1999$. 
33 In the NEMS plant data, LADWP is reported to own 100% of the Intermountain power plant. However, 
LADWP’s actual share of generation from this facility in 1999 was only 62.785% (LADWP 2002), 
therefore the generation from this plant attributed to LADWP was reduced accordingly. The entire 
generation (100%) of this plant was included in the “All CA, NEMS” total. 



   

58

is derived from non-thermal sources, with an emissions factor of zero, and 27.6% of 
generation comes from thermal sources whose average emissions factor is 0.251 
kgC/kWh. Southwest imports consist of 22.3% non-thermal imports, and 77.7% thermal. 
We represented the thermal and non-thermal imports as two separate dummy plants, with 
capacity factors of one, and with generation equal to the appropriate fraction of each 
region’s net imports. 
 
The plants were then placed in the order of probable dispatch, and then the LDC 
calculation was performed. The plants were ordered as follows. Nuclear plants were 
placed first in the plant order, then non-thermal imports, then renewables such as wind, 
geothermal, biomass, and municipal solid waste. The reason for placing renewables early 
in the dispatch order is that these fuels are “must take” fuels. The electricity from these 
plants generally must be used as it’s being generated (either due to the nature of the fuel, 
such as wind, or due to contracts that require utilities to purchase the power, such as is 
usually the case with biomass or refuse, or because, in the case of nuclear, the operation 
of plants is inflexible). Cogeneration facilities were placed next in the dispatch order, 
again because they generally have contracts which require utilities to purchase the power 
they generate and because output is unlikely to change in the short run. Hydro plants 
were then placed next in the probable dispatch order. The remaining plants, or all thermal 
facilities other than cogeneration, including thermal imports, were then ordered first by 
their capacity factor, then, within a given capacity factor, i.e. for plants whose capacity 
factor was the same, by their marginal cost. As explained in section V.A., the reason to 
order plants by their capacity factor is that this gives empirical information about which 
plants were used as baseload plants vs. load-following plants – the higher the capacity 
factor, the more the plant was operated and the lower its costs are likely to be.  
 
Load duration curves were constructed by first obtaining the hourly load profiles for 1999 
for the three CAISO utilities, which are PG&E (including SMUD), SCE, and SDGE, and 
for the largest non-ISO utility, LADWP. Each of these profiles was then reordered from 
highest to lowest load, as described in section V.A, to produce load duration curves for 
each of these regions. The annual load for each region can also be calculated by taking 
the sum of the hourly loads for each region. 
 
D. RESULTS 
 
Table 20 shows the electricity generation by fuel type as calculated from the NEMS plant 
data – the upper portion reports generation in TWh, and the lower portion reports the 
percentage that each fuel type contributes to electricity generation. These values include 
electricity generated in out-of-state plants owned by California utilities, but do not 
include other imports, which are calculated separately, as discussed later in this section. 
 
Table 21 shows generation by fuel type, as reported by the CEC (2001b), for 1999. These 
values are also for in-state plus utility-owned out-of-state plants. The values calculated 
from the NEMS data set match quite well to those reported by the CEC. Total generation 
from the NEMS data set was calculated to be 222 TWh. This compares well to the value 
of 226 TWh of electricity generation from California plants (including utility-owned out-
of-state plants) reported by the CEC for 1999. The fuel mix calculated from the NEMS 
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data also compares well to CEC values – the NEMS fuel mix includes somewhat less 
natural gas (30% vs. 37% from CEC), and slightly more of everything else. 
 
Table 20. Fuel Mixes of California Utilities (including utility-owned out-of-state 
plants) 
Fuel Mix (TWh)        

 Gas Oil Coal Nuclear Hydro Other Total 
PG&E 33.409 0.773 2.289 16.973 36.343 8.846 98.633
SMUD 1.760 0.000 0.000 0.000 2.540 0.087 4.387
PG&E + SMUD 35.169 0.773 2.289 16.973 38.883 8.933 103.020
SCE 19.473 0.028 12.326 19.500 5.910 7.739 64.976
SDGE 5.424 0.746 0.000 3.693 0.006 0.079 9.948
ISO total 60.066 1.547 14.615 40.166 44.799 18.923 180.116
LADWP 4.180 0.000 15.060 1.705 1.047 0.000 21.992
All utilities 67.052 2.092 40.303 43.639 47.156 21.482 221.725
Fuel Mix (%)        

 Gas Oil Coal Nuclear Hydro Other  
PG&E 34% 1% 2% 17% 37% 9%  
SMUD 40% 0% 0% 0% 58% 2%  
PG&E + SMUD 34% 1% 2% 16% 38% 9%  
SCE 30% 0% 19% 30% 9% 12%  
SDGE 55% 7% 0% 37% 0% 1%  
ISO total 33% 1% 8% 22% 25% 11%  
LADWP 19% 0% 68% 8% 5% 0%  
All utilities 30% 1% 18% 20% 21% 10%  
 
Table 21. Generation by Fuel Type as Reported by the California Energy 
Commission, for 1999 

 Gas Oil Coal Nuclear Hydro Other Total 
Generation (TWh) 84.703 0.055 36.327 40.419 41.627 23.185 226.316 
Generation (%) 37% 0% 16% 18% 18% 10%  
Source: (CEC, 2001b) 
 
Table 22 shows the 1999 average carbon emissions factors for the CAISO, and also 
separately for the three CAISO utilities, plus for LADWP, the largest non CAISO utility. 
The differences in average carbon emissions factors for the different utilities can be 
readily explained by examining the fuel mix for each utility, shown in Table 20. LADWP 
has by far the highest average carbon emissions factor because such a large fraction of its 
electricity (68%) is generated by coal, while only a relatively small fraction (13%) is 
generated by carbon free sources. SCE and SDG&E’s emissions factors are intermediate. 
SCE has a significant fraction of coal (19%), but also has a fairly large portion of 
generation (51%) from carbon free sources. SDGE has less electricity generation from 
carbon free sources than SCE (38%), but also has no coal generation. PG&E and SMUD 
have the lowest average carbon emissions factors because of both low coal generation 
(2% for PG&E, 0% for SMUD) and high generation from carbon free sources (63% for 
PG&E, 60% for SMUD). 
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Table 22. Average Carbon Emissions Factors for California Utilities, kg C/kWh 
Utility AEF, in-state plus utility-

owned out-of-state plants 
AEF, including importsa 

PG&E 0.063 0.064 
SMUD 0.057 0.058 
PG&E+SMUD34 0.062 0.063 
SCE 0.102 0.131 
SDGE 0.102 0.146 
CAISO 0.079 0.101 
LADWP 0.209 0.207 
All CA 0.099 0.105 
a  All PG&E imports were assumed to come from the Northwest, with an average emissions factor of 0.072 
kgC/MWh. All SCE and SDGE imports were assumed to come from the Southwest, with an average 
emissions factor of 0.195 kgC/MWh. (These figures calculated in section III.C.5.) The ISO imports were 
calculated from the sums of the imports for the three CAISO utilities. Imports to California as a whole were 
assumed to be 53% from the Northwest, and 47% from the Southwest, as reported by the CEC (2001b). 
 
Table 23 shows the monthly AEFs for 1999, as calculated from the NEMS plant data, for 
California plants, including out-of-state plants owned by California utilities (but not 
including imports). These factors were calculated using the monthly capacity factors 
reported in the NEMS plant data. For each plant, in each month, the plant’s electricity 
generation was calculated by multiplying the capacity (summer capacity was used for 
April through September, winter capacity for October through March) times the monthly 
capacity factor, times the hours in the month, times the percent of electricity delivered to 
the grid. The monthly carbon emissions for each plant were then calculated by 
multiplying that plant’s generation by its emissions factor in kg C/kWh. The AEF for 
each utility was calculated by adding up the carbon emissions of all of the plants, and 
dividing by the sum of the generation of all of the plants. 
 
Table 23. Monthly Average Carbon Emissions Factors for 1999 in kgC/kWh, 
Excluding Imports  
 Jan Feb Mar Apr May Jun Jul Aug Sept Oct Nov Dec Variationa

LADWP 0.224 0.213 0.207 0.203 0.205 0.210 0.205 0.195 0.199 0.208 0.223 0.222 15% 
PG&E + 
SMUD 0.071 0.054 0.051 0.051 0.046 0.052 0.061 0.069 0.077 0.079 0.076 0.063 72% 
SCE 0.103 0.102 0.101 0.090 0.086 0.097 0.106 0.109 0.107 0.111 0.109 0.105 29% 
SDG&E 0.094 0.087 0.091 0.093 0.091 0.098 0.115 0.120 0.117 0.105 0.095 0.095 38% 
All 0.107 0.091 0.090 0.085 0.082 0.087 0.103 0.109 0.111 0.113 0.111 0.101 38% 
a Percent difference between highest and lowest value. 
 
The pattern of monthly AEFs appears to be strongly influenced by the pattern of hydro 
electricity production. Emissions factors statewide are lowest in the spring and early 
summer, when snowmelt occurs and hydro generation is at its peak. Emissions factors are 
highest in the fall, when hydro generation is at it lowest, and hot, dry weather often raises 
                                                 
34 CAISO data for   PG&E includes the SMUD service territory. Therefore results for PG&E and SMUD 
are reported both as combined, as well as separately where possible. 
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demand. The largest variability in average monthly emissions factors is seen for the 
PG&E/SMUD region, which also has the highest fraction of hydro electricity. The lowest 
monthly variation is seen for LADWP. This is likely due to the predominance of coal in 
that utility’s fuel mix, since there is little seasonal variation in the operation of coal-fired 
power plants. 
 
Table 24. Marginal Carbon Emissions Factors for 1999, in kgC/kWh 

Utility AEF for thermal 
plants 1a 

AEF for thermal 
plants 2b 

MEF 1c MEF 2d Maximum 
Variatione 

PG&E+SMUD 0.165 0.173 0.140 0.138 25% 

SCE 0.233 0.243 0.215 0.216 13% 

SDGE 0.167 0.215 0.181 0.181 29% 

CAISO 0.192 0.217 0.193 0.193 13% 

LADWP 0.239 0.241 0.199 0.200 21% 
a  in-state plus utility-owned out-of-state, excluding cogen, excluding imports 
b  in-state plus utility-owned out-of-state, excluding cogen, including imports 
c  ordered by fuel priority, then capacity factor, then cost, capacity factor method 1 
d  ordered by fuel priority, then capacity factor, then cost, capacity factor method 2 
e  percent difference between highest and lowest values 
 
Table 24 shows the MEF calculated for each of the CAISO utilities separately, the 
CAISO as a whole, and for LADWP. It also shows the average EF for the thermal plants, 
excluding cogeneration, in each region. The first column of AEFs does not include 
thermal imports; the second column of AEFs does. Since it is expected that the plants on 
the margin will be thermal plants that are not cogeneration facilities, the average 
emissions factors of such plants can be used as a first order approximation of the 
marginal emissions factors. Because the impact of electricity conservation on imports is 
hard to predict, it is difficult to know if imports will be on the margin or not, therefore 
thermal AEFs with and without thermal imports were calculated. Thermal imports are 
likely to be reduced before non-thermal, because thermal generation is more expensive.  
 
Two slightly different methods were used to calculate the marginal emissions. As plants 
are placed under the LDC curve, sometimes the reported capacity factor for that plant 
exceeded the capacity factor that would be expected for a plant at that point in the curve. 
In Method 1, the reported generation of electricity of the plant was kept constant, 
effectively allowing the capacity of the plant to increase above the reported capacity in 
order to fit that plant’s electricity generation under the curve. In Method 2, the plant’s 
reported capacity was kept constant, and the plant’s generation was reduced to fit under 
the curve. In this second method, since the plant’s generation is adjusted downward from 
the reported values, the upper portion of the LDC is not being completely filled – for this 
method, we report the MEF only for the portion of the LDC that is filled in, effectively 
assuming that the MEF in the upper portion of the curve will be the same as in the lower 
portion. 
 
These two methods give somewhat different weights to each of the load-following plants’ 
emissions in calculating the MEF. As can be seen in Table 24, the value obtained for the 
MEF for the two methods is nearly identical for all power control areas.  
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The MEF calculated by the LDC method for PG&E+SMUD is significantly lower than 
the AEF for the thermal plants in this power control area (including or excluding thermal 
imports). The reason for this is that the baseload portion of the LDC curve was 
completely filled by nuclear, non-thermal imports, renewables, cogeneration, plus some, 
but not all of the hydro generation. The remaining hydro generation therefore was placed 
into the load-following portion of the curve, along with thermal plants that are not 
cogenerators, plus thermal imports. Because some of the hydro appeared on the margin in 
the LDC calculation, the MEF is lower due to the inclusion of this carbon free resource. 
In reality, if electricity conservation caused the utility to have excess hydro generation 
that it could not use, it is likely that the utility would arrange a trade of this excess energy 
in return for energy back at a time that it could be used. The energy it would receive in 
trade would like be largely from thermal sources. Therefore, the MEF calculated here 
may underestimate the carbon content of conserved electricity. This problem may occur 
when the LDC method is used for utilities whose generation consists largely of carbon 
free resources that are either low cost, or “must-take”, as is found in the PG&E/SMUD 
power control area. 
 
The MEF for SCE is somewhat lower than the AEF for thermal resources for this utility. 
In the case of SCE, the baseload is filled up by nuclear, non-thermal imports, renewables, 
cogeneration, hydro, plus some but not all of the thermal imports. This puts the remainder 
of the thermal imports, plus thermal non-cogen facilities on the margin. The reason the 
MEF is somewhat lower than the AEF for such facilities, is that all of the coal-fired 
facilities end up in the lowest part of the load-following portion of the LDC, and 
therefore are given less weight per kWh electricity generated than the natural gas-fired 
facilities that fill the upper portion of the LDC. 
 
For SDGE, the thermal AEF that includes thermal imports is much higher than the 
thermal AEF that excludes them. This is because a very large fraction of SDG&E’s load 
is met by imports (nearly half), and the thermal imports are nearly all coal-fired. The 
MEFs calculated for SDGE are lower than the AEF that includes thermal imports. As 
with SCE, the baseload portion of SDGE’s LDC was filled with all of the carbon free 
generators, plus cogenerators, plus some, but not all, of the thermal imports. And as with 
SCE, the MEF is lower than the thermal AEF (including imports) because coal-fired 
generation is being assigned to the lowest parts of the load-following portion of the LDC, 
and are therefore given less weight than gas-fired facilities in the upper portion of the 
LDC. 
 
The pattern for the CAISO as a whole is similar to that described for SCE and SDGE, 
where thermal imports and other coal-fired facilities are in the lower part of the load-
following portion of the LDC, and natural-gas fired facilities are in the upper portions. A 
similar pattern is seen for LADWP as well, except that in the case of LADWP, the 
baseload part of the LDC accommodates all of the thermal imports plus a few of the 
larger coal-fired facilities (Intermountain, plus some of Navajo’s generation), thus 
placing the rest of the coal-fired generators in the lower part of the load-following part of 
the LDC curve, with natural gas resources again in the upper portion. 
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E. PROSPECTS FOR LDC METHOD 
 
The LDC method is a relatively simple method that may be useful in separating baseload 
power generation from load-following generation. This makes it possible to make a first-
cut identification of the plants whose generation is most likely to be curtailed when load 
is reduced due to electricity savings from conservation programs. By identifying the 
plants most likely to be on the margin, the marginal carbon emissions factor that applies 
to electricity savings from conservation programs can be estimated. 
 
The method is likely to work best for utilities whose generation comes largely from 
thermal plants, and may not work as well for utilities whose generation includes a large 
fraction of inexpensive carbon free resources and/or many “must-take” facilities. 
 
The most important area needing improvement is estimation and modeling of imports. 
Currently, they are included in the model as two dummy plants per power control area, 
representing imports from non-thermal and thermal sources. The non-thermal imports 
end up in the baseload portion of the LDC and therefore do not directly affect the 
calculated MEFs, although they do affect the contributions of other resources to the 
MEFs. However, thermal imports do end up in the load-following part of the LDC, and 
therefore do affect the calculated MEF. If more detailed information on imports were 
available, including information about which plants supply imported power, and what 
fraction of these imports are actually used to meet the load-following portion of the LDC, 
this would make it possible to more accurately determine the MEF. Additionally, the 
unreasonably high heat rates of some plants in the NEMS file need to be investigated.  
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VI. CONCLUSION 
 
A. COMPARISON OF RESULTS 
 
The three approaches yield reasonably consistent annual AEFs for the four utilities (see 
Table 25), with the exception that SCE’s AEF from the LDC method is somewhat higher 
than the other two methods. The level of CO2 associated with electricity usage varies 
considerably among the utilities, although it comes as no surprise that these values are 
lower for PG&E than for the southern California utilities. PG&E has a large share of 
carbon-free generation, such as hydro, nuclear, and predominantly hydro imports from 
the Pacific Northwest. 
 
Table 25. Summary of Annual AEFs for Three Emissions Factor Estimation 
Methods (kgC/kWh) 

 1990 AEFs 
Using Elfin 

1999 AEFs 
Using LDC 

1999 AEFs 
Using PDS 

LADWP 0.195 0.207 0.192 
SCE 0.132 0.163 0.132 
SDG&E 0.132 0.131 0.140 
PG&Ea 0.070 0.068 0.064 
CAISO  0.101  
Californiab 0.110 0.105 0.108 
a  LDC and PDS results for PG&E include Sacramento Municipal Utility District (SMUD).  
b  Includes irrigation districts and municipal utilities. 
 
Table 26 shows that the LDC and Elfin methodologies produced divergent MEFs for  
SCE and SDG&E, and similar results for LADWP and PG&E. With the exception of 
LADWP, MEFs are significantly higher than the corresponding AEFs. The difference in 
Elfin’s 1990 and the LDC-derived 1999 MEFs for SCE is especially striking. The high 
1999 MEF using the LDC method occurs because a large share of the gas-fired 
generation for this utility is from cogeneration, which is assumed not to respond to 
changes in the load. Thus, the load-following resources consist largely of imports from 
the Southwest. Since the MEFs of the PCAs other than LADWP range from 27% to over 
120% greater than the corresponding AEFs, using AEFs to estimate CO2 savings from 
reducing electricity usage would significantly underestimate actual savings. 
 
Table 26. Comparison of Annual MEFs from Two Electricity Emissions Factor 
Calculation Methodsa (kgC/kWh) 

 1990 MEFs 
Using Elfin 

1999 MEFs 
 Using LDC 

LADWP 0.191 0.199 
SCE 0.165 0.221 
SDG&E 0.201 0.167 
PG&Eb 0.153 0.155 
CAISO  0.193 
a    MEFs were not calculated using the PDS method 
b   LDC results for PG&E include Sacramento Municipal Utility District (SMUD). 
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The large share of seasonally varying hydro generation in California combined with 
typically hot late summer weather implies that AEFs may be higher when increased 
output from thermal generating sources must compensate for diminished hydro output. 
Conversely, as more thermal generation is used, the share of natural gas is likely to 
increase relative to coal, pushing down the AEF of thermal generation. Table 27 shows 
the AEFs calculated for May and October, months that usually have relatively high and 
low hydro generation, respectively. PG&E, the most hydro-dependent utility, has by far 
the largest variation between the two months. This occurs both because more gas-fired 
generation is used by this utility, and more electricity is imported from the Northwest. 
The decrease in hydro generation also causes the AEF of the imported power to increase, 
as more coal-fired electricity is used to compensate for the reduction in hydropower. 
PG&E, being the largest utility, is a large enough share of the statewide total load that the 
seasonal change in its resource mix significantly affects the statewide AEF. The variation 
in the other utilities is much less pronounced, being less influenced by differences in 
hydro output. This suggests that accounting for seasonal changes in resource mix, 
particularly for entities located in the PG&E service area, is important to accurately 
estimate emissions throughout the year. 
 
Table 27. 1999 Seasonal Changes in Average Emissions Factors (kgC/kWh) 

 May October Percent 
 
 

Utility 

CA 
Generation 

LDCa 

CA 
Generation 

PDSa 

Total w/ 
Imports  

PDS 

CA 
Generation 

LDCa 

CA 
Generation 

PDSa 

Total w/ 
Imports 

PDS 

Difference 
Oct/May 

PDS Total
PG&E 0.051      0.043    0.046       0.080       0.079   0.083  79% 
SCE 0.072      0.083     0.122     0.106  0.105   0.132  8% 
SDG&E 0.085    0.096    0.150     0.106        0.089   0.134  -11% 
LADWP 0.205  0.194    0.192     0.208        0.184   0.184  -5% 
CAa 0.082 0.074b     0.098b  0.113        0.103b   0.117b  19% 
a  Includes the shares of out-of-state plants owned by CA utilities. 
b  Includes only the PCAs listed in the table. 
 
Programs that track various entities’ total annual CO2 emissions from electricity 
consumption, as well as their estimated CO2 emissions reductions from mitigation efforts, 
must carefully choose electricity emissions factors in order to avoid potentially large 
errors. Using three different methods to estimate annual AEFs, MEFs, and seasonal AEFs 
by utility, Berkeley Lab found that using a simple annual statewide AEF could 
significantly under- or over-estimate an entity’s indirect emissions due to the large 
variation in generating resources among the utility service areas. Also, differentiating 
between marginal and average emissions is essential to accurately estimate the CO2 
savings from reducing electricity use. Seasonal differences in AEFs due to fluctuations in 
hydro generation should be accounted for at the statewide level, and particularly for the 
PG&E area.  
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B. LESSONS LEARNED FROM DEVELOPING EACH METHOD 
 
1. Public Data Sources 
 
Using public data sources to estimate CO2 emissions for this report revealed some 
important considerations, should this process be implemented in the future. Overall, the 
process consists of two parts. The first is determining how much electricity is produced at 
each generating station and how much carbon dioxide is emitted. The second part 
consists of assigning the electricity and the associated emissions to the sales pool of any 
particular utility area.  
 
The first part is relatively straightforward using public data sources although there are 
some complications. The process is more challenging for California than it would be for 
other states due to the large share of independent power production, particularly for 1999. 
Following the terms of the restructuring agreement between the state and investor-owned 
utilities, these utilities had to sell most of their thermal generating assets. Therefore, most 
of the in-state carbon dioxide emissions are generated by nonutility owned power plants, 
making accurate estimation of nonutility emissions critical.  
 
However, 1999 was a big transition year with many power plants changing hands, and 
this led to some inconsistencies in the data. First, there was some confusion on the 
Annual Nonutility Electric Generator Report (Form EIA 860B) over whether sales to 
resellers should count as sales to utilities or sales to end-users. Some large stations that 
sell virtually all of their power to associated resellers reported very little electricity being 
delivered to the grid. Until this mistake was corrected, most of these plants’ emissions 
were not assigned to the grid power pool. Given the low average emissions factor in the 
state, these large plants can significantly affect the results. Second, the imputed operating 
efficiency of some plants changed dramatically once they had been purchased by 
independent power producers. Finally, monthly fuel consumption or electricity 
production totals sometimes did not add up to the reported yearly consumption or 
production. In cases where the discrepancies were large, the reporting managers of the 
energy service providers were contacted for clarification. After 1999, as those responsible 
for reporting data to the EIA become more familiar with the reporting requirements, this 
should be less of a problem.  
 
Even without these inconsistencies, the presence of such a large number of independent 
power producers in California creates complications. Many of these producers use some 
of the electricity for their own industrial purposes, or the electricity is generated from 
combined heat and power. However, total fuel consumption is reported, so some method 
is required for allocating the portion of fuel consumed to produce the electricity actually 
delivered to the grid. For units that produce only electricity this allocation was relatively 
straightforward. The ratio of electricity delivered to utilities to the amount of electricity 
generated was used. The process is more complicated for units generating combined heat 
and power, and various methods for allocating the fuel shares between heat and 
electricity have been proposed in the energy efficiency literature (Phylipsen, Blok, and 
Worrell, 1998).  
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However, it is the second part of the process, accounting for flows of imports and inter-
PCA sales that is the most challenging part of the exercise. With the large share of 
imported power this would have been a complicated task before restructuring, but the 
transfer of much of California's generating capacity to independent power producers has 
also meant that sales and purchase data have become largely confidential. Without access 
to this data, simplifying assumptions need to be made.  
 
2. Elfin 
 
BRPU data provide a wealth of information on power plant operations in the 1990s. The 
Elfin modeling results using these data provide a window on conditions in that era that 
would not be accessible in any other way. However, each of the utility files was 
constructed independently by a group at each utility. Thus, there is little standardization 
among these files. Running Elfin based on this data has provided much historic insight as 
well as a crosscheck on the other estimates, but unraveling the assumptions in the input 
files and finding any bugs would be a major undertaking. It may also require considerable 
effort to adapt the model to simulate the deregulated market. These barriers impede 
Elfin’s usefulness on an ongoing basis, although it may be useful for estimating historic 
emissions factors. 
 
3. Load Duration Curve 
 
One of the lessons learned from the LDC analysis is that the MEF that is calculated will 
be very dependent on the “probable dispatch order”, or order in which plants are used to 
fill up the LDC curve. This is especially true for utilities like PG&E, which has a lot of 
inexpensive carbon-free resources such as nuclear and hydro and a lot of “must-take” 
generation from sources like renewables and cogeneration.   
 
The calculated MEF is also very sensitive to assumptions that are made about imports. 
We placed thermal imports high enough in the dispatch order that some of this energy 
was appearing in the load-following portion of the LDC. Not a lot of information was 
available for evaluating how imports are actually used in each of the utility areas studied. 
More detailed information about electricity imports would allow us to refine the 
calculated MEFs to better reflect how the systems are operated.   
 
Encouragingly, the MEF was not very sensitive to two different calculation methods we 
used. In one of these methods, if a particular plant’s calculated capacity factor (based on 
its position in the LDC curve) was less than the actual capacity factor (as reported in the 
NEMS plant file), the plant’s capacity was held constant and its generation was reduced 
to fit the plant’s generation under the LDC curve. In the other method, the plant’s 
generation was held constant, and the calculated capacity was allowed to increase above 
the plant’s reported capacity, again to fit the generation under the LDC curve. The MEFs 
calculated by these two methods were nearly identical for all of the utility systems 
examined. 
 



   

68

The NEMS input files are a useful source of electric plant data. The data is in a relatively 
easily understood format and is updated annually by EIA. These files contain most of the 
parameters needed for the LDC analysis, and the other parameters that are needed (e.g. 
carbon content of fuels) can be easily found.  
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VIII. GLOSSARY 
 
97 Inventory 1997 Global Climate Change: Greenhouse Gas Emissions Reduction 

Strategies for California. Appendix A. Historical and Forecasted 
Greenhouse Gas Emissions Inventories for California reports inventory 
data for 1990-1994. 

AEF average emissions factor 
AEO Annual Energy Outlook 
AER Annual Energy Review 
ALAPCO Association of Local Air Pollution Control Officials 
BRPU Biennial Resource Planning Update 
CAISO California Independent System Operator 
CalPX California Power Exchange, semi-official wholesale electricity exchange 

that operated from April 1998 through January 2001 
CCP Cities for Climate Protection 
CEC California Energy Commission 
CHP combined heat and power, or cogeneration 
CH4 natural gas, methane, and CH4 are used interchangeably in this report 
DoE U.S. Department of Energy 
CDWR California Department of Water Resources 
EBRD European Bank for Reconstruction and Development 
EF emissions factor 
E-GRID Emissions and Generations Resource Integrated Database 
EIA Energy Information Administration 
EIIP Emission Inventory Improvement Program 
Elfin Electrical Financial Model of Environmental Defense 
EPA U.S. Environmental Protection Agency 
ER96 CEC 1996 Electricity Report 
ERT Environmental Resources Trust 
ESPAR Electricity Systems Planning Assumption Report  
FERC Federal Energy Regulatory Commission 
FOR forced outage rate 
GHGPI Greenhouse Gas Protocol Initiative 
IEA International Energy Agency 
IPCC Intergovernmental Panel on Climate Change 
ICEM Iterative Cost Effectiveness Model 
ICLEI International Council for Local Environmental Initiatives 
ITRE Iterative Test of Resource Effectiveness 
IID Imperial Irrigation District 
LADWP City of Los Angeles Department of Water and Power 
LDC  load duration curve 
MEF marginal emissions factor 
MOR maintenance outage rate 
munis municipal utilities, e.g. Cities of Burbank and Redding  
NCPA Northern California Power Authority, group of munis such as the cities  
 of Alameda and Roseville 
NERC North American Electric Reliability Council 
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OMET Open Market Emissions Trading Program 
PCA power control area, the area under the direction of one central control 

room, usually a UDC service territory with some smaller entities included 
PG&E Pacific Gas and Electric Company 
Registry California Climate Action Registry 
SCE Southern California Edison Company, division of Edison International 
SDG&E San Diego Gas and Electric Company, subsidiary of Sempra Corp. 
SEDR State Energy Data Report 
SMUD Sacramento Municipal Utility District 
STAPPA State and Territorial Air Pollution Program Administrators 
T&D transmission and distribution 
UDC actually a California investor owned utility distribution company, i.e. 

PG&E, SCE, or SDG&E, however used loosely in this study for electricity 
utilities including municipals 

UN United Nations 
UNEP United Nations Environment Programme 
VOC volatile organic compound 
VRGGP Voluntary Reporting of Greenhouse Gases Program 
WRI World Resources Institute 
WBCSD World Business Council for Sustainable Development 
WSCC Western Systems Coordinating Council (recently renamed the Western 

Electricity Coordinating Council) 
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